We extend our study of the design of carbon dioxide, CO 2 , storage in aquifers (Qi et al., 2007) to oilfields. We demonstrate that pore-scale capillary trapping is an effective and rapid mechanism to render the CO 2 immobile in oil reservoirs. We construct analytical solutions to the transport equations, accounting for relative permeability hysteresis. We use this to design an injection strategy where CO 2 and brine are injected simultaneously followed by chase brine injection. We study field-scale oil production and CO 2 storage using a streamline-based simulator that captures dissolution, dispersion, gravity and ratelimited reactions in three dimensions. While injecting at the optimum WAG ratio gives the fastest oil recovery, this allows CO 2 to channel through the reservoir leading to rapid CO 2 breakthrough and extensive recycling of the gas. We propose to inject more water than optimum. This allows to CO 2 to remain in the reservoir, increases the field life and leads to improved storage of CO 2 as a trapped phase. A short period of chase brine injection at the end of the process traps most of the remaining CO 2 .
In this paper, we use a streamline-based simulator, which has been extended to solve for CO 2 transport in oil reservoirs, to design a strategy to maximize both oil recovery and CO 2 storage as an immobile, trapped phase.
Streamline-based simulation for CO 2 transport
We extend a streamline-based simulator based on the work of Batycky et al. (1997) to simulate CO 2 transport in aquifers and oil fields (Qi, 2008) . There are three phases (hydrocarbon, aqueous and solid) and four components (CO 2 , oil, water and salt) in our simulation, as shown in Fig.1 . We assume incompressible flow and ignore capillary pressure. During the simulation, grid-block properties are mapped along streamlines. Along each streamline we solve the governing transport equations on a one-dimensional (1D) grid. For each cell face in the 1D streamline grid, we record the grid block in the underlying 3D model which it resides in. Then to compute the flux across this face, we use the relative permeabilities associated with this blockin this way we can account for relative permeability hysteresis and different trapping models (Land (1968) or Spiteri et al., (2005) ). Finally, gravity segregation and phase exchange are considered by solving the relevant equations on the grid. To capture the physics of CO 2 transport, we implemented a thermodynamic model of mutual dissolution between CO 2 and water and resulting salt precipitation (Spycher et al., 2003 (Spycher et al., , 2005 . A simple rate-limited chemical reaction is used to account for mineral precipitation of CO 2 (Obi and Blunt, 2006) . The resultant changes of porosity and permeability due to chemical reaction and salt precipitation are also considered. In oilfield simulation, we assume first contact miscibility between CO 2 and oil to form a single hydrocarbon phase and the CO 2 concentration in the hydrocarbon phase is solved along streamlines. We use the Todd & Longstaff model (Todd and Longstaff, 1972) to represent sub-grid-block viscous fingering. We apply the trapping model introduced in Spiteri et al. (2005) with the same parameters as in Qi et al. (2007) , representing a weakly water-wet system.
Using the Carlson (1981) model, we assume that we can compute the relative permeability for the hydrocarbon phase from the primary drainage relative permeability as a function of the flowing saturation S hf (see also Blunt (2000) ) during imbibition (waterflooding and chase brine injection), secondary drainage (CO 2 injection) and we do not consider hysteresis in the aqueous phase relative permeability:
Reservoir description and fluid properties
We use the SPE 10 model to represent a sector of a North Sea sandstone oil reservoir. This model has dimensions 366m×670m×52m with 1,122,000 grid cells given by 60×220×85 in the x, y and z directions respectively. The top 35 layers represent the Tarbert formation, and the bottom 50 layers represent the Upper Ness. This reservoir is highly heterogeneous with a variation in permeability of over 5 orders of magnitude and has an average porosity of 0.2 (Christie and Blunt, 2001 ). There is one injector located in the center of the reservoir and four producers at the four corners, as shown in Fig. 2 . The injector is controlled by injection rate and producers are controlled using a bottom hole pressure (BHP) constraint. Despite the simultaneous injection of two fluids, no problems with injectivity were encountered at the rates used.
We use the primary drainage relative permeability curve measured for Berea sandstone (Oak, 1990) , as shown in Fig.3 . The initial oil saturation is 0.759, which is the maximum hydrocarbon saturation the system could reach during a secondary drainage process. We compute the hydrocarbon relative permeability during imbibition and secondary drainage based on the primary drainage curve in Fig. 3 , the trapping model of Spiteri et al. (2005) and Eq. 1. We assume that the oil/water relative permeability and CO 2 /water relative permeabilities are the same. Other reservoir and fluid properties are listed in Table 1 . Note that the CO 2 viscosity is 50 times lower than oil and more than ten times lower than water. The CO 2 will tend to be very mobile at high saturation; an effective storage design will depend on managing injection to keep the CO 2 at low saturation and low mobility so that it stays in the reservoir. Results and discussion One-dimensional simulations and analytical solutions To understand the displacement process and to validate our numerical model, we first ran a series of 1D simulations. We used 8000 grid blocks, with a total system size of 24,000m×300m×50m with a Darcy velocity of ⅔ m/day. The fluid parameters used are shown in Table 1 . We ignore dissolution, dispersion and reaction. The system is initially at the maximum initial oil saturation. We first waterflood the system until all the grid cells reach residual oil saturation of 0.471. We then inject CO 2 and brine simultaneously (SWAG) followed by brine injection only. We assume that the injected brine is fully saturated with CO 2 and that does not affect the viscosity of the brine. Fig. 4 shows the water/oil fractional flow (blue) and water/CO 2 fractional flow (red) curves based on the imbibition relative permeabilities in Fig. 3 and fluid properties in Table 1 . The slope of the dashed lines indicates the dimensionless CO 2 front velocity when different WAG ratios are injected. The steep water/oil fractional flow curve at high water saturation leads to a mobile oil bank that moves rapidly ahead of the CO 2 front. The optimal WAG ratio in this tertiary process is defined as the injected water fractional flow when the water and CO 2 fronts move at the same speed. It is found by finding the line that is tangent to the oil/water curve (Lake, 1989) and has a value of 0.15 -see Fig. 4 . This is equivalent to an injection CO 2 fractional flow, f ci = 0.85. Chase brine injection will follow the water/CO 2 fractional flow curve (red) from S w = 1-S or =0.529 falling to the injected f w . Again the slope of this line will be high, indicating that the chase brine will move very rapidly and quickly trap all the injected CO 2 . . After waterflooding to residual oil, brine and CO 2 are injected simultaneously for 1100 days followed by chase brine injection. In this example, chase brine was injected for 5 days. Fig. 5 shows the hydrocarbon saturation as a function of distance. The injector is at a distance 0 and producer is 24,000 m away. A long, fast-moving oil bank is formed ahead of the injected CO 2 (a constant state followed by a rarefaction); it travels more than ten times faster than the CO 2 front. The chase brine front, behind the CO 2 , is also moving much faster than the leading CO 2 . After only 12 days, chase brine will have trapped all the CO 2 . Numerical and analytical solutions are in good agreement, validating the numerical solver (Lake, 1989; Qi et al., 2007) . Fig. 6 shows the solution for f ci =0.5. This profile is shown after 2 days of chase water injection subsequent to 1100 days of brine and CO 2 injection. Again, the mobile oil front is much faster than the mobile CO 2 front. Chase brine will trap all the CO 2 injected in 8 days. Our 1D analysis has shown that simultaneous CO 2 and water injection (SWAG) is an effective tertiary recovery mechanism. The injection of CO 2 very rapidly leads to incremental production of oil, albeit with a low fractional flow. In these cases we inject more water than the optimum WAG ratio so that the injected brine moves ahead of the CO 2 front. As we show later, this impedes the movement of CO 2 to the production wells and leads to greater CO 2 storage. Chase brine injection after SWAG can trap all the CO 2 injected very rapidly in a residual phase. This conclusion is similar to that reached for chase brine injection after CO 2 injection in an aquifer (Qi et al., 2007) -in both cases the advancing brine front moves very rapidly. However, in a 3D system, the water and CO 2 phases may not migrate in the same direction due to the effects of reservoir heterogeneity and buoyancy. Therefore, the process may be less efficient. 
Three-dimensional simulations
We performed a series of fine-grid 3D simulations of CO 2 storage and trapping. As in the 1D simulations, we first waterflood the reservoir until the average watercut of the four producers reaches 70%, which gives a recovery factor of 23.1%. The oil saturation distribution after waterflooding is shown in Fig. 7 . We then inject CO 2 and water together at different CO 2 reservoir-volume fractional flows, f ci (1.0, 0.9, 0.85, 0.7, 0.6, 0.5, 0.4, and 0.3). For different f ci , we inject CO 2 at the same rate (7.1×10 5 kg/day) with the volume of water necessary to make the appropriate fractional flow of CO 2 . CO 2 injection ceases when the total mass of CO 2 produced is equal to 20% of the total mass of CO 2 injected. We assume that there is a cost and energy penalty associated with recycling the CO 2 and so we do not allow significant production of the gas. Then we inject chase brine at a rate of 1000 m 3 /day. We account for CO 2 dissolution in brine, but do not allow water to enter the CO 2 phase. We assume that injected water will be fully saturated with CO 2 when they mix together in the wellbore. All the wells are vertical and fully completed from the top to the bottom of the reservoir, which maximizes the miscible contact area between CO 2 and oil.
We compute the mass of CO 2 stored and oil production. We wish to maximize both CO 2 storage and oil production. Fig. 8 shows the cumulative oil production for different f ci . For the same pore volume (PV) of fluids injected, the optimal WAG ratio, f ci =0.85, has the maximum oil production. Lower f ci (more water than the optimal WAG ratio) can result in a higher final recovery because injection continues for longer before there is significant production of CO 2 . In the lower f ci cases, injected water moves ahead of the injected CO 2 , leaving CO 2 behind and minimizing CO 2 production. Therefore, injection at lower ci f (more water) reduces CO 2 cycling and leads to better ultimate oil recovery by extending the SWAG injection time. Fig. 9 plots the mass of CO 2 stored for different f ci when CO 2 injection ceases. The optimal WAG ratio, f ci =0.85, cannot store the maximum amount of CO 2 . More CO 2 is stored as f ci decreases, although below 0.5 there is very little difference in the storage capacity. Fig. 10 shows the ratio between the mass of incremental oil production (this is the oil produced by SWAG minus the oil recovery by continuous waterflooding) and the mass of CO 2 stored. Again, the lowest f ci (0.3) has the largest ratio, which is simply because it has the longest injection time. However, for the same PV injected, f ci =0.3 produces much less oil than higher f ci -see Fig. 8 . We suggest injecting more water than the optimum ratio: this lowers the mobility of the CO 2 in the reservoir and leads to greater storage. However, a very low f ci results in excessive water injection and production: it is best to inject at about f ci =0.5 as this gives good CO 2 storage and oil production, while keeping the project life and water handling manageable.
Figs 11 and 12 show the oil and CO 2 volumetric fractions respectively at the end of CO 2 injection. The CO 2 volumetric fraction is the hydrocarbon saturation times the volume fraction of CO 2 in the hydrocarbon phase; the oil volumetric fraction is the hydrocarbon saturation times the oil volume fraction. Injecting more water than the optimal WAG ratio retains the CO 2 in the reservoir: the figures show efficient displacement of oil in high permeability regions; the CO 2 is then stored in these same portions of the field. The moderate hydrocarbon saturation leads to a low fractional flow and so the CO 2 is relatively immobile, despite its low viscosity. During chase brine injection, we define two trapping efficiencies: the fraction of the injected mass of CO 2 that is either trapped or dissolved (trapping efficiency I); and the fraction of the stored mass of CO 2 (CO 2 in the reservoir) that is either trapped or dissolved (trapping efficiency II). The 1D analysis indicates that chase brine is a very effective way to render the CO 2 immobile in a residual phase in the absence of dissolution. In the 3D simulations we start to inject chase brine when 20% of the total injected CO 2 has been produced. The simulation stops when trapping efficiency I no longer increases. During chase brine injection the producers are still producing mobile CO 2 and trapped CO 2 continues to dissolve into the injected brine. Hence, the stored mass can decrease, leading to a decrease in trapping efficiency I. Fig. 13 plots the trapping efficiency as a function of chase brine injection time. Using f ci = 0.5 can reach the highest trapping efficiencies in only 50 days: over 95% of the CO 2 underground is either dissolved or trapped and is very unlikely ever to escape. The chase brine injection time for different cases corresponds to the chase brine velocity in Fig. 4 . The higher chase brine velocity, the faster CO 2 is trapped.
The storage efficiency can be defined as follows (Obi and Blunt, 2006; Qi et al., 2007) : it is the mass of CO 2 stored divided by the mass of CO 2 assuming that it fills the entire pore space. This is calculated by taking the stored mass from Fig.  9 and dividing by the reservoir pore volume multiplied by the CO 2 density (710 kg/m 3 ). For f ci around 0.5, the storage efficiency is approximately 17% at the end of chase brine injection. This is significantly better than that achieved for aquifer injection using the same reservoir model (Qi et al., 2007) . The reason for this is that we have a closed system in a reservoir that allows recycling of produced CO 2 . Fig. 14 shows the 3D saturation profile after 30 days of chase brine injection for f ci = 0.5. CO 2 accumulates at the top of the reservoir and channels along high permeability streaks. The chase brine tends to follow the CO 2 to trap the vast majority of the injected solvent very quickly, leaving only a relatively small amount of mobile CO 2 . After another 20 days chase brine injection (50 days in total), 76.5% of injected CO 2 will be trapped, which is 96.5% of the total mass of CO 2 stored. Figs. 15 and 16 show the cumulative oil and CO 2 production during SWAG and chase water injection for f ci =0.7 and 0.5 respectively. Dashed lines separate the production during SWAG injection and chase water injection. During chase water injection, the producers are still producing oil. During water injection the water cut increases rapidly and so CO 2 production is significantly reduced because CO 2 is trapped as an immobile phase by the fast-moving injected water. Our 3D simulations have shown that the traditional optimal WAG ratio is not ideal when both CO 2 storage and enhanced oil recovery are important to an injection scheme. The results indicate that injecting more water during WAG injection will significantly reduce CO 2 cycling and store more CO 2 in the reservoir. The optimal ratio is found for an injected CO 2 fractional flow around 50% in this case considering the combination of CO 2 stored, oil production and cost (related to the amount of water injected and produced). Our proposed design criteria are to inject CO 2 simultaneously with brine with a SWAG ratio more than optimal followed by chase brine injection. Our simulation studies, in a very heterogeneous system, indicate that more than 75% of the injected CO 2 is trapped, or more than 90% of the CO 2 underground, with an overall storage efficiency of 17%, while the cumulative oil production is almost twice the production that could be achieved through waterflooding alone.
Conclusions
We have extended streamline-based simulation to study CO 2 transport in oil reservoirs. We can simulate displacement in million-cell models using a standard PC. The simulator incorporates a state-of-the-art trapping model and relative permeability hysteresis based on pore-scale modeling verified by experimental data.
We studied CO 2 storage and tertiary recovery in a heterogeneous oilfield. In this example, extensive channeling led to early breakthrough of water and CO 2 . To retain the CO 2 in the reservoir, we propose an injection strategy where CO 2 and water are injected simultaneously at a higher WAG ratio (more water) than the traditional optimum value. Water moves ahead of the CO 2 , keeping the CO 2 at low saturation and relatively immobile in the reservoir. Where there are concerns over long-term storage security, a brief period of chase brine injection is sufficient to render more than 90% of the CO 2 underground trapped or dissolved with an overall storage efficiency of approximately 17%.
Further work is required to validate the trapping model used here and to test our design criteria for other reservoir models. 
